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(57) A method for monitoring a drilling operation in-
cludes: providing a drill bit for drilling a wellbore into a
geological formation using a drilling motor for rotating the
drill bit; determining depth of cut (DOC) of the drill bit and
torque exerted on the drill bit by the drilling motor using
parameters measured while drilling the wellbore; simu-
lating drilling of a hypothetical wellbore using a hypothet-
ical drill bit similar or identical to the drill bit and deter-
mining a function that provides strength of a hypothetical
geological formation from the DOC of the hypothetical
drill bit and the torque exerted on the hypothetical drill
bit; and determining strength of the geological formation
using the function and the determined DOC and the
torque.
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Description

BACKGROUND OF THE DISCLOSURE

Field of the Disclosure

[0001] The present disclosure generally relates to de-
termination of unconfined (aka uniaxial) compressive
strength (UCS) from drilling data and drill bit parameters.

Description of the Related Art

[0002] US 4,914,591 discloses a method for determin-
ing rock compressive strength of a subterranean forma-
tion penetrated by a wellbore. A mathematical model of
a drill bit and an estimate of rock ductility of a particular
subterranean formation in conjunction with weight-on-bit
(WOB), bitrotational speed RPM, and rate of penetration
(ROP) are used as inputs. From the above inputs, the
rock compressive strength can be determined while the
wellbore is being drilled or afterwards. A depth correlated
log can be generated of rock compressive strength that
can be compared to other logs obtained from adjacent
wellbores to obtain a refined estimate of the depth of a
particular subterranean formation feature. Further, the
above method can be utilized for obtaining an indication
of bit wear or bit damage while the bit is drilling a wellbore
by comparing a first rock compressive strength log of a
wellbore to a rock compressive strength log being gen-
erated while the drill bit is actually drilling a second well-
bore. Any significant deviation between the two logs pro-
vides an indication of bit wear or bit damage.

[0003] US7,555,414disclosesamethod forestimating
the CCS for a rock in the depth of cut zone of a subter-
ranean formation which is to be drilled using a drilling
fluid is disclosed. An UCS is determined for a rock in the
depth of cut zone. A change in the strength of the rock
due to applied stresses imposed on the rock during drill-
ing is calculated which includes estimating the APP. The
CCS for the rock in the depth of cut zone is calculated
by adding the estimated change in strength to the UCS.
The present invention calculates the APP in accordance
with Skempton theory where impermeable rock or soil
has a change in pore volume due to applied loads or
stresses while fluid flow into and out of the rock or soil is
substantially non-existent. CCS may be calculated for
deviated wellbores and to account for factors such as
wellbore profile, stress raisers, bore diameter, and mud
weight utilizing correction factors derived using computer
modeling and using a baseline formula for determining
an uncorrected value for CCS.

[0004] US 8,082,104 discloses a method of identifying
one or more rock properties and/or one or more abnor-
malities occurring within a subterranean formation. The
method includes obtaining a plurality of drilling parame-
ters, which include at least the rate of penetration, the
weight on bit, and the bit revolutions per minute, and then
normalizing these plurality of drilling parameters by cal-
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culating a depth of cutand an intrinsic drilling impedance.
Typically, the intrinsic drilling impedance is specific to the
type of bit used to drill the wellbore and includes using a
plurality of drill bit constants. From this intrinsic drilling
impedance, the porosity and/or the rock strength may be
determined which is then compared to the actual values
to identify the specific type of the one or more abnormal-
ities occurring. Additionally, the intrinsic drilling imped-
ance may be compared to other logging parameters to
also identify the specific type of the one or more abnor-
malities occurring.

[0005] US 9,556,728 discloses a method for analyzing
a wellbore drilling operation includes acquiring sonic log
data, gammaray log data, and rate of penetration (ROP)
data. The sonic log data, the gamma ray log data, and
the ROP data are associated with depth intervals of a
wellbore. The method further includes determining un-
confined compressive strength (UCS) of a rock formation
associated with the wellbore using well log data and drill-
ing data. The well log data is limited to the sonic log data
andthe gammaray log data, and the drilling data is limited
to the ROP data.

[0006] US 10,094,210 discloses estimation of rock
strength during drilling using a rate of penetration model
or a modified mechanical specific energy model. The rock
strength estimate can be used in conducting further drill-
ing, for example by a drilling system. Drilling parameters
may be altered as a result of determining rock strength,
for example to avoid undesirable trending fractures, such
as extensive vertical fractures.

[0007] US 10,963,600 discloses estimating in-situ
stress of an interval having drilling response data is de-
scribed. Estimating involves obtaining drilling response
data of a data rich interval with available data. Estimating
relative rock strength as a composite value that includes
in-situ stress and rock strength. Estimating a Poisson’s
ratio from the relative rock strength. Generating a stress
model that includes uniaxial strain model using the Pois-
son’s ratio. Verifying the stress model with the available
data. Applying the stress models in a non-data rich inter-
val.

[0008] US 11,905,828 discloses a method and a sys-
tem for a confined compressive strength (CCS) and an
unconfined compressive strength (UCS) for one or more
bedding layers. The method may include identifying a
depth interval during a drilling operation as a distance
between a first depth and a second depth, measuring
one or more drill bit responses within the depth interval
using a sensor package disposed on the drill bit, identi-
fying one or more torsional bit vibrations, and identifying
one or more bedding layers of the formation within the
depth interval from the one or more torsional bit vibra-
tions. The method may further include identifying the
(CCS) and the (UCS) for each of the one or more bedding
layers and identifying a bit wear of the drill bit within each
of the one or more bedding layers using the one or more
drill bit responses and the one or more torsional bit vi-
brations.
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[0009] The paper SPWLA-2022-0039 discloses that
proper understanding of the strength of rocks, and its
variability along the length of the well, is essential for
efficient and economic drilling operation. Traditionally,
the industry has used log-based strength estimates cal-
ibrated to strength measured on core samples. However,
coring and core testing is costly and time consuming and
downhole logs may also be left out of the program to
manage costs. In comparison, drilling data is almost al-
ways available as the well is drilled. An innovative and
robust method is presented which capitalizes on availa-
bility of drilling tools, which measure key drilling data
downhole. As the measurements are acquired downhole,
uncertainties associated with surface-to-downhole con-
versions are reduced. Reliable results are available over
the length of the wellbore, irrespective of complexity in
well trajectory. The work also reviews the development
of tools measuring downhole-drilling data. This method
uses downhole weight-on-bit, rotational speed, down-
hole torque, and rate-of-penetration to characterize the
downhole mechanical specific energy (MSEDownhole)
consumed in the process. The bit diameter, mud-weight,
and depth of drilling are also accounted for. If the task is
to optimize drilling parameters for a new formation (e.g.
drill-off-test), then the parameters with the "minimum"”
MSEDownhole are captured. However, if the task is for
stage and cluster-wise hydraulic fracture design, then
"instantaneous" MSEDownhole is used to infer confined
compressive strength (CCS). The CCS together with in-
ternal friction angle (IFA) provides unconfined compres-
sive strength (UCS) using Mohr-failure envelope inver-
sion. The MSEDownhole is compared to Drilling Strength
over the same interval. Drilling Strength is defined as
Weight on Bit / (Bit Diameter * Penetration per Revolu-
tion) and has been used to estimate rock strength. The
comparison between MSEDownhole and Drilling
Strength highlights the differences in the estimated
strength from the two methods. Current work shows the
results from 14 drilling simulator tests, in shale and lime-
stone, under typical ‘drill-off-test.” The minimum-MSE ob-
tained was transformed to CCS using user-defined ‘effi-
ciency factor.” The CCS was translated to UCS using
basic Mohr-failure envelope and compared with core test
data. Utilization of lab tests for calibration greatly im-
proves the trust in this conversion. The concept of ‘in-
stantaneous MSE’ was applied in a Gulf-of-Mexico well
where drilling parameters obtained from downhole sen-
sor were maintained in a close range. Formation evalu-
ation logs were used tocompare UCS obtained. The CCS
and UCS estimates benefit drilling engineers, geoscien-
tists, and completion engineers. The less known ‘Effi-
ciency Factor’ is also discussed and reviewed.

[0010] The paper ARMA-07-214 discloses thatit is crit-
ical to obtain the rock strength parameters along the well-
bore. Rock strength logs are used to conduct different
types of analysis such as preventing wellbore failure, de-
ciding on completion design methods and controlling
sand production. One source of data which is often over-
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looked in calculating rock strength is drilling data. To uti-
lize the drilling data in calculating strength, correlations
are developed from inverted rate of penetration models.
From these models unconfined compressive rock
strength can be calculated from drilling data. The rate of
penetration models takes into account operational drilling
parameters, bit types/designs and geological formation
information. Results from various onshore and offshore
fields verify that drilling based rock strength compares to
other methods of estimating rock strength. The big ad-
vantage using drilling data is that rock strength can be
calculated for all hole sections, less expensive onshore
wells and from old wells, where electrical logs or pre-
served core samples do not exist.

[0011] The paper, titled "Estimating rock strength pa-
rameters using drilling data" by Sajjad Kalantari et. Al,
from: International Journal of Rock Mechanics and Min-
ing Sciences, Volume 104,2018, Pages 45-52, discloses
that estimating rock strength parameters using opera-
tional drilling data can be a fast and reliable method. In
this case, several researchers have proposed different
analytical models based on force or energy equilibrium
methods. Most of them propose methods to estimate
uniaxial compressive strength through the investigation
of interaction between the bit and rock in drilling process.
Althoughin the proposed models, operational drilling sys-
tem, rock strength parameters, bit geometry and contact
friction were considered, some of the important factors
such as crushed zone and its mechanical properties, con-
tact frictions between the bit and rock and friction be-
tween the rock and crushed zone need to be explicitly
considered. In this research work, a theoretical model is
developed based on limit equilibrium of forces and con-
sidering contact frictions, crushed zone and bit geometry
in the rotary drilling process by a T-shaped drag bit.
Based on the model, a method is used to estimate rock
strength parameters form operational drilling data. The
operational drilling parameters such as thrust force,
torque, rate of penetration and speed of rotation were
obtained by a developed portable drilling machine. The
portable drilling machine is able to drill the rocks with
different strength range coincident with measure and
record the parameters. A set of drilling experiments were
conducted on three different rocks ranged from weak,
medium and hard strength. Obtained results based on
proposed model for uniaxial compressive strength, co-
hesion and internal friction angle of rock are well fitted to
the results of the conventional standard tests.

[0012] The paper titled "Relationship between rock
uniaxial compressive strength and digital core drilling pa-
rameters and its forecast method" by Hongke Gao et. Al,
from: Int J Coal Sci Technol (2021) 8(4):605-613 disclos-
es that the rock uniaxial compressive strength (UCS) is
the basic parameter for support designs in underground
engineering. In particular, the rock UCS should be ob-
tained rapidly for underground engineering with complex
geological conditions, such as soft rock, fracture areas,
and high stress, to adjust the excavation and support
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plan and ensure construction safety. To solve the prob-
lem of obtaining real-time rock UCS at engineering sites,
a rock UCS forecast idea is proposed using digital core
drilling. The digital core drilling tests and uniaxial com-
pression tests are performed based on the developed
rock mass digital drilling system. The results indicate that
the drilling parameters are highly responsive to the rock
UCS. Based on the cutting and fracture characteristics
of the rock digital core drilling, the mechanical analysis
of rock cutting provides the digital core drilling strength,
and a quantitative relationship model (CDP-UCS model)
for the digital core drilling parameters and rock UCS is
established. Thus, the digital core drilling-based rock
UCS forecast method is proposed to provide a theoretical
basis for continuous and quick testing of the surrounding
rock UCS.

SUMMARY OF THE DISCLOSURE

[0013] The present disclosure generally relates to de-
termination of unconfined (aka uniaxial) compressive
strength (UCS) from drilling data and drill bit parameters.
In one embodiment, a method for monitoring a drilling
operation includes: providing a drill bit for drilling a well-
bore into a geological formation using a drilling motor for
rotating the drill bit; determining depth of cut (DOC) of
the drill bit and torque exerted on the drill bit by the drilling
motor using parameters measured while drilling the well-
bore; simulating drilling of a hypothetical wellbore using
a hypothetical drill bit similar or identical to the drill bit
and determining a function that provides strength of a
hypothetical geological formation from the DOC of the
hypothetical drill bit and the torque exerted on the hypo-
thetical drill bit; and determining strength of the geological
formation using the function and the determined DOC
and the torque.

[0014] In another embodiment, a method for monitor-
ing a drilling operation includes: providing a drill bit for
drilling a wellbore into a geological formation using a drill-
ing motor for rotating the drill bit; determining depth of
cut (DOC) of the drill bit and torque exerted on the drill
bit by the drilling motor using parameters measured while
drilling the wellbore; simulating drilling of a hypothetical
wellbore using a hypothetical drill bit similar or identical
to the drill bit and determining a function that provides
weight on bit (WOB) of the simulated drilling from the
DOC of the hypothetical drill bit and the torque exerted
on the hypothetical drill bit; and determining WOB using
the function and the determined DOC and the torque.

BRIEF DESCRIPTION OF THE DRAWINGS

[0015] So that the manner in which the above recited
features of the present disclosure can be understood in
detail, a more particular description of the disclosure,
briefly summarized above, may be had by reference to
embodiments, some of which are illustrated in the ap-
pended drawings. It is to be noted, however, that the
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appended drawings illustrate only typical embodiments
of this disclosure and are therefore not to be considered
limiting of its scope, for the disclosure may admit to other
equally effective embodiments.

Figure 1 illustrates drilling of a first wellbore into a
geological formation, according to one embodiment
of the present disclosure.

Figure 2A illustrates a bottom hole assembly (BHA)
used in drilling of the first wellbore. Figure 2B illus-
trates an alternative BHA, according to another em-
bodiment of the present disclosure.

Figure 3 illustrates simulation of a hypothetical drill
bit drilling a hypothetical geological formation to ob-
tain a function that provides strength of a hypothet-
ical geological formation from the depth of cut (DOC)
of the hypothetical drill bit and the torque (TOQ) ex-
erted on the hypothetical drill bit.

Figure 4 illustrates determining strength of the geo-
logical formation along the first wellbore using the
function to select a location of a junction of a second
wellbore.

Figure 5 illustrates drilling of a second wellbore at
the location of the junction.

Figure 6 illustrates determining weight on bit (WOB)
of the drilling operation along the second wellbore
using a second function, according to another em-
bodiment of the present disclosure.

Figure 7 illustrates deploying a downhole tubular into
the second wellbore having used the second function
to determine a centralizer program of the downhole
tubular.

Figure 8 illustrates determining strength of the geo-
logical formation along the second wellbore using
the function to locate a fault in the geological forma-
tion.

Figure 9 illustrates perforation of the downhole tu-
bular lining the second wellbore while avoiding the
fault.

Figure 10 illustrates drilling of the first wellbore into
the geological formation while utilizing the function
and/or the second function, according to another em-
bodiment of the present disclosure.

DETAILED DESCRIPTION

[0016] Figure 1 illustrates drilling of a first wellbore 1a
into a geological formation 17, according to one embod-
iment of the present disclosure. The first wellbore 1a may
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be drilled using a drilling system 2. The drilling system 2
may include a drilling rig 2r, a fluid handling system 2f, a
blowout preventer (BOP) 2b, a drill string 3, and a con-
troller, such as programmable logic controller (PLC) 2p.
The drilling rig 2r may include a derrick 4d, top drive 5,
draw works 6, and a floor 4f at its lower end having an
opening through which the drill string 3 extends down-
wardly into the first wellbore 1a via a wellhead 19h. The
BOP 2b may be connected to the wellhead 19h.

[0017] Figure 2A illustrates a bottom hole assembly
(BHA) 3b used in drilling of the first wellbore 1a. Referring
also to Figure 1, the drill string 3 may include the BHA
3b and a pipe string 3p. The pipe string 3p may include
joints of drill pipe connected together, such as by thread-
ed couplings. The BHA 3b may be connected to the pipe
string 3p, such as by threaded couplings, and include a
drill bit 7, a measurement while drilling (MWD) sub 8w,
abent sub 8b, and a drilling motor 8m. The drilling motor
8m may be a mud motor. The BHA members 7, 8b,m,w
may be interconnected, such as by threaded couplings.
The MWD sub 8w may include one or more sensors,
such as accelerometers and magnetometers, to enable
the PLC 2p to calculate navigation parameters, such as
azimuth, inclination, and/or tool face angle of the BHA
3b. The MWD sub 8w may be connected to the bent sub
8b and the pipe string 3p. The bent sub 3b may be con-
nected to the MWD sub 8w and a stator of the drilling
motor 8m. The drill bit 7 may be connected to a rotor of
the drilling motor 8m.

[0018] The drill bit 7 may include the cutting face, a bit
body, a shank, and a gage section. A lower portion of the
bit body may be made from a composite material, such
as a ceramic and/or cermet matrix powder infiltrated by
a metallic binder, and an upper portion of the bit body
may be made from a softer material than the composite
material of the upper portion, such as a metal or alloy
shoulder powder infiltrated by the metallic binder. The bit
body may be mounted to the shank during molding there-
of. The shank may be tubular and made from a metal or
alloy, such as steel, and have a coupling, such as a
threaded pin, formed at an upper end thereof for connec-
tion of the drill bit 1a to drilling motor 8m. The shank may
have a flow bore formed therethrough and the flow bore
may extend into the bit body to a plenum (not shown)
thereof. The cutting face may form a lower end of the drill
bit 7 and the gage section may form at an outer portion
thereof.

[0019] Alternatively, the bit body 2 may be metallic,
such as being made from steel, and may be hardfaced.
The metallic bit body may be connected to a modified
shank by threaded couplings and then secured by a weld
or the metallic bit body may be monoblock having an
integral body and shank.

[0020] The cutting face may include one or more pri-
mary blades, one or more secondary blades, fluid cours-
es formed between the blades, a row of leading cutters
mounted along each blade, and backup cutters mounted
to each blade. The cutting face may have one or more
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sections, such as an inner cone, an outer shoulder, and
an intermediate nose between the cone and the shoulder
sections. The blades may be disposed around the cutting
face and each blade may be formed during molding of
the bit body and may protrude from a bottom of the bit
body. The primary blades and the secondary blades may
be arranged about the cutting face in an alternating fash-
ion. The primary blades may each extend from a center
of the cutting face, across a portion of the cone section,
across the nose and shoulder sections, and to the gage
section. The secondary blades may each extend from a
periphery of the cone section, across the nose and shoul-
der sections, and to the gage section. Each blade may
extend generally radially across the portion of the cone
section (primary only) and nose section with a slight spiral
curvature and across the shoulder section radially and
longitudinally with a slight helical curvature. Each primary
blade may beinclined in the cone section by acone angle.
The cone angle may range between five and forty-five
degrees.

[0021] Each blade may be made from the same mate-
rial as the lower portion of the bitbody. The leading cutters
may be mounted along leading edges of the blades after
infiltration of the bit body. The leading cutters may be
pre-formed, such as by high pressure and temperature
sintering, and mounted, such as by brazing, in respective
leading pockets formedin the blades adjacent to the lead-
ing edges thereof. Each blade may have a lower face
extending between a leading edge and a trailing edge
thereof. Starting in the nose section or shoulder section,
each blade may have a row of backup pockets formed
in the lower face thereof and extending therealong. Each
backup pocket may be aligned with or slightly offset from
arespective leading pocket. The backup cutters may be
mounted, such as by brazing, in the backup pockets
formed in the lower faces of the blades. The backup cut-
ters may be pre-formed, such as by high pressure and
temperature sintering. The backup cutters may extend
along at least the shoulder section of each blade.
[0022] Alternatively, the drill bit 7 may further include
shock studs protruding from the lower face of each pri-
mary blade in the cone section and each shock stud may
be aligned with or slightly offset from a respective leading
cutter.

[0023] One or more ports may be formed in the bit body
and each port may extend from the plenum and through
the bottom of the bit body to discharge the drilling fluid
21 along the fluid courses. A nozzle may be disposed in
each port and fastened to the bit body. Each nozzle may
be fastened to the bit body by having a threaded coupling
formed in an outer surface thereof and each port may be
a threaded socket for engagement with the respective
threaded coupling. The ports may include an inner set of
one or more ports disposed in the cone section and an
outer set of one or more ports disposed in the nose sec-
tion and/or shoulder section. Each inner port may be dis-
posed between an inner end of a respective secondary
blade and the center of the cutting face.
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[0024] The gage section may define a gage diameter
of the drill bit. The gage section may include a plurality
of gage pads (not shown), such as one gage pad for each
blade, a plurality of gage trimmers and junk slots formed
between the gage pads. The junk slots may be in fluid
communication with the fluid courses formed between
the blades. The gage pads may be disposed around the
gage section and each pad may be formed during mold-
ing of the bitbody and may protrude from the outer portion
of the bit body. Each gage pad may be made from the
same material as the bit body and each gage pad may
be formed integrally with a respective blade. Each gage
pad may extend upward from a shoulder portion of the
respective blade to an exposed outer surface of the
shank.

[0025] Each gage pad may have a rectangular lower
portion and a tapered upper portion. The tapered upper
portions may transition an outer diameter of the drill bit
7 from the gage diameter to a lesser diameter of the
shank. A taper angle may be the same for each upper
portion and may range between thirty and sixty degrees
as measured from a transverse axis of the drill bit. Each
gage trimmer may be mounted to a leading edge of each
lower portion. The gage trimmers may be mounted, such
as by brazing, in respective pockets formed in the lower
portions adjacent to the leading edges thereof. The rec-
tangular lower portions may have flat outer surfaces (ex-
cept for the pockets therein). The gage trimmers may
have flats formed in outer surfaces thereof so as not to
extend past the gage diameter of the drill bit.

[0026] Alternatively, the gage pads may have gage
protectors embedded therein.

[0027] Each cutter and gage trimmer may include a
superhard cutting table, such as polycrystalline diamond
(PCD), attached to a hard substrate, such as a cermet,
thereby forming a compact, such as a polycrystalline dia-
mond compact (PDC). Each cutter gage trimmer may be
a shear cutter having a planar working face. The cermet
may be a carbide cemented by a Group VIIIB metal, such
as cobalt. The substrate and the cutting table may each
be solid and cylindrical and a diameter of the substrate
may be equal to a diameter of the cutting table. A working
face of each cutter and gage trimmer may be opposite
to the substrate and may be smooth and planar. Each
gage protector may be made from thermally stable PCD
or PDC.

[0028] Alternatively, one or more of the cutters of each
blade may have a non-planar working face.

[0029] The drill bit 7 may be rotated 9r by the top drive
5 via the pipe string 3p and/or by the drilling motor 8m.
The BHA 3b may be operable in arotary mode or a sliding
mode. To operate in the sliding mode, the pipe string 3p
may be held rotationally stationary and inclination of the
drill bit 7 by the bent sub 3b may cause drilling along a
curved trajectory. To operate in the rotary mode, the drill
string 3 may be rotated 9r by the top drive 5 to negate
the curvature effect of the bent sub 8b (aka corkscrew
path) and the drilling trajectory may be straight. The in-
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clination of the bent sub 3b has been exaggerated for
illustrative purpose.

[0030] Additionally, the BHA 3b may further include a
transmitter for communication of the MWD sub 8w with
the PLC 2p (and the PLC may include a corresponding
receiver). Alternatively, the bent sub 8b may be integrat-
ed with the drilling motor 8m. Alternatively, the bent sub
8b and/or the MWD sub 8w may be omitted from the BHA
3b.

[0031] Returning to Figure 1, an upper end of the pipe
string 3p may be connected to a quill of the top drive 5.
The top drive 5 may include a motor for rotating 9r the
drill string 3. The top drive motor may be electric or hy-
draulic. A frame of the top drive 5 may be coupled to a
rail (not shown) of the derrick 4d for preventing rotation
of the top drive frame during rotation 9r of the drill string
3 and allowing for vertical movement of the top drive with
atraveling block 6t of the draw works 6. The frame of the
top drive 5 may be suspended from the derrick 4d by the
traveling block 6t. The traveling block 6t may be support-
ed by wire rope 6r connected at its upper end to a crown
block 6c. The wire rope 6r may be woven through
sheaves of the blocks 6¢,t and extend to a winch 6w for
reeling thereof, thereby raising or lowering the traveling
block 6t relative to the rig floor 4f.

[0032] The wellhead 19h may be mounted on a casing
string 10 which has been deployed into the first wellbore
1a and cemented 11 therein. A lower section of the first
wellbore 1a may be vertical (shown) or deviated (not
shown).

[0033] The fluid system 2f may include a mud pump
12, a drilling fluid reservoir, such as a pit 13 or tank, a
solids separator, such as a shale shaker 14, a pressure
sensor 15, one or more flow lines, such as a return line
16r, a supply line 16s, and a feed line 16f, a mud logging
tool 17, and a stroke counter 18. A first end of the return
line 16r may be connected to a flow cross 19x mounted
on the wellhead 19h and a second end of the return line
may be connected to an inlet of the shaker 14. A lower
end of the supply line 16s may be connected to an outlet
of the mud pump 12 and an upper end of the supply line
may be connected to an inlet of the top drive 5. The pres-
sure sensor 15 may be assembled as part of the supply
line 16s. Afirst end of the feed line 16f may be connected
to an outlet of the pit 13 and a second end of the feed
line may be connected to an inlet of the mud pump 12.
[0034] The pressure sensor 15 may be in data com-
munication with the PLC 2p and may be operable to mon-
itor standpipe pressure (SPP). A drilling technician may
enter the current mode of the drilling operation into the
PLC 2p. The PLC 2p may monitor and record SPP both
when the drill bit 7 is drilling and when the drill bit is lifted
from engagement with a bottom of the wellbore for adding
joints or stands to the pipe string 3p. The stroke counter
18 may also be in data communication with the PLC 2p
and the PLC may be operable to calculate and record a
flow rate of the mud pump 12. The PLC 2p may also be
in communication with a hook load cell clamped to the
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wire rope 6r, and a position sensor of the winch 6w. A
drilling technician may enter lengths of joints or stands
of pipe added to the pipe string 3p and the length of the
BHA 3b into a tally of the PLC 2p so that the PLC can
record measured depth of the wellbore 1a. The drilling
technician may also enter weight of the drill string com-
ponents into the tally. The PLC 2p may use a plurality of
depth measurements and the time interval therebetween
to calculate rate of penetration (ROP). The PLC 2p may
record the various measurements and calculations in a
memory unit (MEM) 20 for later use. The PLC 2p may
utilize data from the MWD sub 8w to calculate true vertical
depth (TVD) from the measured depth.

[0035] Additionally or alternatively, the PLC 2p may
further be in communication with a torque sensor and
tachometer of the top drive 5. The torque sensor may
measure torque exerted on the quill of the top drive 5.
The tachometer may measure the angular speed of the
top drive quill. The PLC 2p may utilize the tally of the drill
string 3 for calculating weight on bit (WOB) using the
hook load and torque exerted on the pipe string 3p using
the torque exerted on the quill.

[0036] The mud pump 12 may pump drilling fluid 21
from the pit 13, through the supply line 16s, and to the
top drive 5. The drilling fluid 21 may include a base liquid.
The base liquid may be refined or synthetic oil, water,
brine, or a water/oil emulsion. The drilling fluid 21 may
furtherinclude solids dissolved or suspended in the base
liquid, such as organophilic clay, lignite, and/or asphalt,
thereby forming a mud.

[0037] The drilling fluid 21 may flow from the supply
line 16s and into a bore of the pipe string 3p via the top
drive 5. The drilling fluid 21 may flow down the pipe string
3p, through a bore of the BHA 3b, and exit the drill bit 7,
where the fluid may circulate cuttings away from the bit
and return the cuttings up an annulus 22 formed between
an inner surface of the casing 10 or the first wellbore 1a
and an outer surface of the drill string 3. The returns 23
(drilling fluid 21 plus cuttings) may flow up the annulus
22, to the wellhead 19h, and exit the wellhead through
the flow cross 19x. The returns 23 may continue through
the return line 16r. The returns 23 may then flow into the
shale shaker 14 and be processed thereby to remove
the cuttings, thereby completing a cycle. As the drilling
fluid 21 and returns 23 circulate, the drill string 3 may be
rotated 9r by the top drive 5 and/or the drilling motor 3m
and lowered 9a by the traveling block 6t, thereby extend-
ing the first wellbore 1a into and/or through the geologic
formation 17. The geologic formation 17 may be hydro-
carbon-bearing.

[0038] Figure 3 illustrates simulation of a hypothetical
drill bit 26 drilling a hypothetical geological formation to
obtain a function 27 that provides strength of the hypo-
thetical geological formation from depth of cut (DOC) of
the hypothetical drill bit and the torque (TOQ) exerted on
the hypothetical drill bit. Typical drilling parameters 25a
may be supplied to a computer 24. The specific param-
eters 25b of the drill bit 7 or at least parameters similar

10

15

20

25

30

35

40

45

50

55

thereto may also be supplied to the computer 24. Arange
of typical UCSs 25c for the hypothetical formation may
also be supplied to the computer 24. The computer 24
may then conduct multiple simulations 28a-c of the hy-
pothetical drill bit 26, each simulation having the bit drill-
ing into the hypothetical formation with a different UCS.
The computer 24 may then process the results of the
simulation to create the function 27 that provides UCS
of the hypothetical formation from the DOC of the hypo-
thetical drill bit 26 and the TOQ exerted on the hypothet-
ical drill bit.

[0039] Additionally, the computer 24 may conduct a
second set of multiple simulations (not shown) of the hy-
pothetical drill bit 26, each simulation having the bit drill-
ing into the hypothetical formation with a different WOB.
The computer 24 may then process the results of the
simulation to create a second function 42 (Figure 6) that
provides WOB of the simulated drilling operation from
the DOC of the hypothetical drill bit 26 and the TOQ ex-
erted on the hypothetical drill bit.

[0040] Figure 4 illustrates determining strength of the
geological formation 17 along the first wellbore 1a using
the function 27 to select a location of a junction 31 of a
second wellbore 1b (Figure 5). Once drilling of the first
wellbore 1a has concluded, the measured data from the
memory unit 20 may be supplied to the computer 24. The
function 27 may also be supplied to the computer 24.
Performance data 43 of the drilling motor 8m may also
be supplied to the computer 24. The performance data
43 may include TOQ output by the drilling motor 8m as
a function of differential pressure (AP) across the drilling
motor and angular speed (RPM) of the rotor of the drilling
motor as a function of flow rate (FLR) of drilling fluid 21
pumped through the drilling motor. The computer 24 may
utilize the measured data from the memory unit 20 to
determine the AP across the drilling motor 8m by sub-
tracting the SPP measured while the drill bit 7 was off
bottom from the SPP measured while the drill bit was
drilling the first wellbore 1a.

[0041] The computer 24 may utilize the calculated AP
and the performance data 43 to determine the TOQ ex-
erted on the drill bit 7. The computer 24 may also utilize
the FLR pumped through the drilling motor 8m and the
performance data 43 thereof to determine the RPM of
the rotor (and also the drill bit 7). The computer 24 may
then utilize the ROP from the memory unit 20 to calculate
the DOC by dividing ROP by RPM of the drilling motor
8m. The computer 24 may then utilize the function 27,
the DOC of the drill bit 7, and the TOQ output by the
drilling motor 8m to calculate UCS of the formation 17.
The computer 24 may repeat the calculations for various
depths along the first wellbore and may generate a UCS
log 29a. A drilling engineer may then utilize the UCS log
29ato identify one or more (pair shown) zones of interest,
such as soft zones 30a,b of the formation 17. The soft
zones 30a,b may be portions of the UCS log 29a with a
lesser or minimum UCS. The depth of one of the soft
zones 30a,b may be used to locate a junction 31 with the
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second wellbore 1b such that the second wellbore will
be drilled into one of the soft zones. Drilling of the second
wellbore 1b into one of the soft zones 30a,b is advanta-
geous in that it minimizes wear on the drill bit 7.

[0042] Alternatively, the drilling engineer may identify
and select a hard zone (greater or maximum UCS) for
drilling of the second wellbore 1b. While selection of the
hard zone may result in more wear on the drill bit 7, it
may have other advantages, such as better susceptibility
to hydraulic fracturing. Additionally, the computer may
utilize a motor efficiency (not shown) to adjust the TOQ
and/or FLR for improved accuracy. Alternatively, the
computer 24 may calculate internal friction angle (IFA)
as an indicator of formation strength instead of UCS. The
log output by the computer 24 would then be an IFA log
instead of the UCS log 29a. Alternatively, the UCS log
29a may include MD instead of TVD.

[0043] Figure 2B illustrates an alternative BHA 39, ac-
cording to another embodiment of the presentdisclosure.
The alternative BHA 39 may be used for the drilling op-
eration instead of the BHA 3b. The alternative BHA 39
may be similar to the BHA 3b except for the inclusion of
one or more additional sensors. The alternative BHA 39
may include a pressure sensor 40n in fluid communica-
tion with a bore of the MWD sub 8w (upstream of the
drilling motor 8m). During drilling of the first wellbore, a
controller (not shown) of the MWD sub 8w may monitor
the measurements from the pressure sensor 40n and
may record them in a memory unit 40m thereof. Meas-
urements recorded by the memory unit 40m may then
be supplied to the computer 24 and used thereby instead
of the SPP for the AP across the drilling motor 8m.
[0044] The alternative BHA 39 may include a pressure
sensor 400 located downstream of the drilling motor 8m,
such as carried by the drill bit 7 and in fluid communication
with a bore of the drill bit. The alternative BHA 39 may
include a short-range transmitter (not shown) for com-
municating measurements by the pressure sensor 400
to the controller of the MWD sub 8w, a receiver (not
shown) for receiving the measurements, and a battery
for powering the pressure sensor 400. Measurements
recorded by the memory unit 40m from both pressure
sensors 40n,0 may then be supplied to the computer 24
and used thereby instead of the SPP for the AP across
the drilling motor 8m. Such measurements would include
only those made while the drill bit was drilling and not
including measurements made while the drill bit was off
bottom.

[0045] The alternative BHA 39 may include a tachom-
eter 40t and/or a torque sensor 40q mounted to a rotor
of the drilling motor 8m. The tachometer 40t may be op-
erable to measure the RPM of the rotor of the drilling
motor 8m and the torque sensor may be operable to
measure TOQ exerted on the drill bit by the rotor of the
drilling motor. The alternative BHA 39 may include a
short-range transmitter (not shown) for communicating
measurements by the sensors 40t,q to the controller of
the MWD sub 8w, and a battery for powering the sensors
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40t,q. Measurements recorded by the memory unit 40m
from both sensors 40t,qg may then be supplied to the com-
puter 24 and used thereby instead of the AP across the
drilling motor 8m and the performance data 43 for deter-
mining TOQ and/or instead of the FLR and the perform-
ance data for determining RPM.

[0046] Alternatively, the pressure sensor 400 may
have a memory unit (not shown) instead of or in addition
to a transmitter. Alternatively, the tachometer 40t and/or
atorque sensor 40g may have a memory unit (not shown)
instead of or in addition to a transmitter.

[0047] Figure 5 illustrates drilling of the second well-
bore 1b at one of the soft zones 30a,b, according to one
embodiment of the present disclosure. Once the location
of the junction 31 has been determined (at soft zone 30b
shown) by the drilling engineer using the UCS log 29a,
the drill string 3 may be raised such that the drill bit 7 is
at the depth of the selected soft zone 30b. The drill bit 7
may be oriented and the drilling of the second wellbore
1b into the formation 17 may commence in a similar fash-
ion as drilling of the first wellbore 1a (discussed above).
Since the second wellbore 1b is drilled from the first well-
bore 1a, the second wellbore may be known as a lateral
wellbore and the first wellbore 1a may be known as a
main wellbore.

[0048] Alternatively, the drill string 3 may be removed
from the first wellbore 1a and a whipstock and plug (not
shown) may be deployed, oriented, and set at the select-
ed soft zone 30b. The drill string 3 may then be rede-
ployed into the first wellbore 1a and guided along a
planned trajectory of the second wellbore 1b by the whip-
stock. Alternatively, the first wellbore 1a may be lined by
a downhole tubular, such as a (second) casing string or
a liner string, and a window milled through the downhole
tubular before drilling the second wellbore 1b to reinforce
the junction 31. The whipstock and plug may be used to
guide milling of the window.

[0049] Figure6 illustrates determining WOB of the drill-
ing operation along the second wellbore 1b using the
second function 42, according to another embodiment of
the present disclosure. Once drilling of the second well-
bore 1b has concluded, the measured data from the
memory unit 20 may be supplied to the computer24. The
second function 42 may also be supplied to the computer
24. The performance data 43 of the drilling motor 8m may
also be supplied to the computer 24. The computer 24
may utilize the measured data from the memory unit 20
to determine the AP across the drilling motor 8m, as dis-
cussed above. The computer 24 may utilize the calculat-
ed AP and the performance data 43 to determine the
TOQ exerted on the drill bit 7, as discussed above. The
computer 24 may also utilize the FLR pumped through
the drilling motor 8m and the performance data 43 thereof
to determine the RPM of the rotor (and also the drill bit
7), asdiscussed above. The computer 24 may then utilize
the ROP from the memory unit 20 to calculate the DOC,
as discussed above.

[0050] The computer 24 may then utilize the second
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function 42, the DOC of the drill bit 7, and the TOQ output
by the drilling motor 8m to calculate actual WOB (ACT
WOB). The computer 24 may repeat the calculations for
various depths along the firstand second wellbores 1a,1b
and may correlate the ACT WOB with the (apparent)
WOB calculated by the PLC 2p (APP WOB) to generate
a drag log 44. The differential between the APP WOB
and the ACT WOB is indicative of a drag force exerted
by the wellbores 1a,b on the drill string 3. A casing engi-
neer may then utilize the drag log 44 to develop a cen-
tralizer program for a downhole tubular 33 (Figure 7),
such as a liner string, for deployment into the second
wellbore 1b. The centralizer program may include the
types of centralizers, such as rigid, semi-rigid, or bow
spring, and the number and location of the centralizers.
The drag log 44 may include an ideal line 44d which il-
lustrates APP WOB being equal to ACT WOB for refer-
ence.

[0051] Alternatively, the draglog 44 may be generated
for the first wellbore 1a instead of or in addition to the
second wellbore 1b and the downhole tubular 33 may be
for deployment into the first wellbore 1a.

[0052] Figure 7 illustrates deploying the downhole tu-
bular 33 into the second wellbore 1b having used the
second function 42 to determine a centralizer program
ofthe downhole tubular 33. The downhole tubular 33 may
include a liner hanger and packer 33h, a float collar (not
shown), joints of liner, a shoe 33s, and a plurality of cen-
tralizers, such as one or more bow spring centralizers
33b and one or more rigid centralizers 33r. Except for
the centralizers 33b,r, the liner string members may each
be connected together, such as by threaded couplings.
The centralizers 33b,r may be mounted to individual
joints of liner by stop collars. The downhole tubular 33
may be deployed into the second wellbore 1b using a
work string 41. The work string 41 may include the pipe
string 3p and a deployment assembly (not shown). The
deployment assembly may include a setting tool, a run-
ning tool, a stinger, and a wiper plug.

[0053] Once the downhole tubular 33 has been ad-
vanced into the second wellbore 1b by the work string 9
to a desired deployment depth, the liner hanger 33h may
be set against a lower portion of the casing string 10.
Cement slurry may then be pumped through the work
string 41 and downhole tubular 33 and into an annulus
between the downhole tubular and the second wellbore
1b using a dart and the wiper plug. The packer 33h may
be set and the work string released from the downhole
tubular The work string 41 may then be retrieved to the
rig 2r and the drilling system 2 dispatched from the well
site. The cement slurry may cure, thereby forming a ce-
ment sheath 34 (Figure 9) between the downhole tubular
33 and the second wellbore 1b. The centralizer program
including the centralizers 33b,r may ensure that the
downhole tubular 33 is centralized within the first and
second wellbores 1a,b, thereby providing a cement
sheath 34 with integrity.

[0054] Alternatively, the downhole tubular 33 may be
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a casing string instead of a liner string.

[0055] Figure 8 illustrates determining strength of the
geological formation 17 along the second wellbore 1b
using the function 27 to locate an unstable zone, such
as fault 32, in the geological formation. Once drilling of
the second wellbore 1b has concluded, the measured
data from the memory unit 20 may be supplied to the
computer 24 and the computer may generate a UCS log
29b of the formation 17 along the second wellbore 1b in
a similar fashion to the UCS log 29a (discussed above).
A completions engineer may then utilize the UCS log 29b
to identify the fault 32 in the formation 17. The disconti-
nuity 32 in the UCS log 29b may be used to identify the
fault 32. Once the fault 32 has been located, the com-
pletions engineer may avoid the fault in the fracturing
plan of the second wellbore 1b. Avoidance of the fault 32
is advantageous to prevent the fault from absorbing prop-
pant during a hydraulic fracturing operation which was
otherwise intended to be distributed throughout the for-
mation 17.

[0056] Alternatively, the unstable zone may be a de-
pleted zone instead of the fault 32.

[0057] Figure 9 illustrates perforation of a downhole
tubular 33 lining the second wellbore 1b while avoiding
the fault 32. A fracturing system may be deployed once
the drilling system 2 has been dispatched from the well-
site. The fracturing system may include a lubricator (not
shown), a fluid system (not shown), a production tree
(not shown), a deployment cable, such as wireline 36,
and a BHA 35. The production tree may be installed on
the wellhead 19h.

[0058] The fluid system may include the injector head,
a shutoff valve, one or more pressure gauges, a stroke
counter, a launcher, a fracture pump, and a fracture fluid
mixer. The injector head may be installed on the produc-
tion tree and the lubricator may be installed on the injector
head. A first pressure gauge may be connected to the
flow cross and may be operable to monitor wellhead pres-
sure. A second pressure gauge may be connected be-
tween the fracture pump and the valve and may be op-
erable to measure discharge pressure of the fracture
pump. The stroke counter may be operable to measure
a flow rate of the fracture pump.

[0059] Alternatively, the gauges may be sensors in da-
ta communication with a (second) PLC (not shown) for
automated or semi-automated control of the fracturing
operation.

[0060] A closing plug, such as a ball, may be disposed
in the launcher for selective release and pumping down-
hole to close a bore of a frac plug 35p of the BHA 35. In
operation, a technician may release the ball by operating
the launcher actuator. The pumped stream of fracturing
fluid (not shown) may then carry the ball from the launch-
er, into the wellhead via the injector head and tree, and
to the frac plug 35p.

[0061] The BHA 35 may include a cable head 35h, a
collar locator 350, a perforation gun 35g, a setting tool
35s, and the frac plug 35p. The perforation gun 35g may



17 EP 4 459 096 A2 18

include a firing head and a charge carrier. The charge
carriermay include a housing, a plurality of shaped charg-
es, and detonation cord connecting the charges to the
firing head. In operation, the firing head may receive elec-
tricity from the wireline 36 to operate an electric match
thereof. The electric match may ignite the detonation cord
to fire the shape charges. The setting tool 35s may be
releasably connected to a mandrel of the frac plug 35p,
such as by one or more shearable fasteners (not shown).
[0062] The BHA 35 may be deployed into the second
wellbore 1b using the wireline 36 with assistance from
the fracture pump or a tractor (not shown). Once the BHA
35 has been deployed to the setting depth listed by the
fracturing plan, the frac plug 35p may be set by supplying
electricity to the BHA 35 at a first polarity via the wireline
36 to activate the setting tool 35s, thereby engaging the
frac plug 35p with the downhole tubular 33.

[0063] A tensile force may then be exerted on the BHA
35, thereby releasing the frac plug 35p from the rest of
the BHA 35g,h,0,s. The remaining BHA 35g,h,0,s may
then be raised using the wireline 36 until the perforation
guns 35g are at a depth of a production zone, according
to the fracturing plan. Electricity may then be resupplied
to the remaining 35g,h,0,s via the wireline 36 at a second
polarity to fire the perforation guns 35g into the downhole
tubular 33, thereby forming perforations 37. Once the
perforations 37 have been formed, the remaining BHA
35g,h,0,s may be retrieved to the lubricator using the
wireline 36. A shutoff valve of the lubricator may then be
closed.

[0064] The ballmaythenbe releasedfromthelauncher
and the fracturing fluid may be pumped from the mixer
into the injector head via the valve by the fracture pump.
The fracturing fluid may be a slurry including: proppant,
such as sand, water, and chemical additives. Continued
pumping of the fracturing fluid may drive the ball toward
the frac plug until the ball lands onto a seat of the plug
mandrel, thereby closing the plug mandrel bore.

[0065] Continued pumping of the fracturing fluid may
exert pressure on the seated ball until pressure in the
downhole tubular 33 increases to force the fracturing fluid
(above the seated ball) through the perforations 37, ce-
ment sheath 34 and into the production zone by creating
a fracture. The proppant may be deposited into the frac-
ture by the fracturing fluid. Pumping of the fracturing fluid
may continue until a desired quantity (listed in the frac-
turing plan) has been pumped into the production zone.
A depth of the perforations 37 may be located such that
an adequate buffer distance 38 is created from the fault
32 suchthatthe faultdoes not absorb the proppant meant
for distribution throughout the formation 17.

[0066] Additional production zones (not shown) may
be fractured using one or more additional respective
BHAs (notshown)in a similar fashion. Once the fracturing
operation of all the production zones has been complet-
ed, the lubricator and injector head may be removed from
the tree. A coiled tubing unit may be connected to the
tree and a coiled tubing work string deployed to mill the
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fracture plugs 35p. The flow cross may be connected to
a disposal pit or tank (not shown) and spent fracturing
fluid (minus proppant) allowed to flow from the second
wellbore 1b to the pit. A production choke (not shown)
may be connected to the flow cross and to a separation,
treatment, and storage facility (not shown). Production
of the fractured zones may then commence.

[0067] Alternatively, fracture valves may be assem-
bled as part of the downhole tubular 33 instead of having
to perforate the downhole tubular. A location of each frac-
ture valve may be listed in the fracturing plan. A fracture
valve may be included for each zone and the fracture
valves opened using respective pump down plugs or de-
ploying a shifting tool using wireline or coiled tubing. Al-
ternatively, fracture valves may be assembled as part of
the downhole tubular 33 instead of having to perforate
the liner string and each fracture valve may have a packer
for isolating the respective zone instead of having to ce-
ment the liner string.

[0068] Figure 10 illustrates drilling of the first wellbore
1ainto the geological formation while utilizing the function
27 and/or the second function 42, according to another
embodiment of the present disclosure. Instead of being
performed after the drilling operation as implied by the
discussion of Figure 3 above, either or both functions
27,40 may be determined before the drilling operation
and provided to the PLC 2p. The performance data 43
may also be provided to the PLC 2p before the drilling
operation such that the PLC may calculate UCS and/or
ACT WOB during the drilling operation of the first wellbore
1a (and/or the second wellbore 1b). The PLC 2p may
then produce portions of the UCS logs 29a,b and/or the
drag log 44 as the respective wellbores are being drilled.
The drilling engineer may then utilize the real time logs
29a,b,44 to adjust drilling parameters during the drilling
operation(s). For example the drilling engineer may uti-
lize the UCS logs 29a,b to adjust the trajectories of the
respective wellbores 1a,b during drilling (aka geo-steer-
ing). The PLC 2p may also generate the real time drag
log 44 during drilling of either or both wellbores 1a,b. The
drilling engineer may utilize the real time drag log to op-
timize ROP (if ACT WOB is insufficient and needs to be
increased) and/or extend life of the drill bit 7 (if ACT WOB
is overloading the drill bit and needs to be decreased) by
adjusting the ACT WOB.

[0069] While the foregoing is directed to embodiments
of the present disclosure, other and further embodiments
of the disclosure may be devised without departing from
the basic scope thereof, and the scope of the invention
is determined by the claims that follow.

Claims

1. A method for monitoring a drilling operation, com-
prising:

providing a drill bit for drilling a wellbore into a
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geological formation using a drilling motor for
rotating the drill bit;

determining depth of cut (DOC) of the drill bit
and torque exerted on the drill bit by the drilling
motor using parameters measured while drilling
the wellbore;

simulating drilling of a hypothetical wellbore us-
ing a hypothetical drill bit similar or

identical to the drill bitand determining a function
that provides strength of a hypothetical geolog-
ical formation from the DOC of the hypothetical
drill bit and the torque exerted on the hypothet-
ical drill bit; and

determining strength of the geological formation
using the function and the determined DOC and
the torque.

The method of claim 1, further comprising:

identifying a zone of interest of the geological
formation using the determined strength thereof;
and

drilling a lateral wellbore at the zone of interest.

The method of claim 1 or 2, further comprising:

identifying an unstable zone in the geological
formation using the determined strength thereof;
and

fracturing the geological formation at a buffer
distance from the unstable zone.

The method of any one of claims 1 to 3, further com-
prising:

drilling the wellbore into the geological formation
using the drill bit and the drilling motor; and
measuring the parameters while drilling the well-
bore.

The method of claim 4, wherein:

drilling the wellbore also uses a drilling rig,

the parameters are measured at the drilling rig,
and

the DOC of the drill bit and torque exerted ther-
eon are determined also using performance da-
ta of the drilling motor.

6. The method of claim 4, wherein at least one of the

parameters is measured downhole.
The method of any one of claims 4, 5 or 6, wherein:

the drilling of the hypothetical wellbore is simu-
lated before drilling the wellbore, and

the strength of the geological formation is deter-
mined while drilling the wellbore.
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The method of any preceding claim 1, further com-
prising:

further simulating drilling of the hypothetical
wellbore using the hypothetical drill bit and de-
termining a second function that provides weight
on bit (WOB) of the simulated drilling from the
DOC of the hypothetical drill bit and the torque
exerted on the hypothetical drill bit;
determining weight on bit (WOB) using the sec-
ond function and the determined DOC and the
torque.

The method of claim 8, further comprising planning
a centralizer program of a downhole tubular using
the determined WOB.

The method of any preceding claim, wherein the drill
bit is a PDC drill bit.

A method for monitoring a drilling operation, com-
prising:

providing a drill bit for drilling a wellbore into a
geological formation using a drilling motor for
rotating the drill bit;

determining depth of cut (DOC) of the drill bit
and torque exerted on the drill bit by the drilling
motor using parameters measured while drilling
the wellbore;

simulating drilling of a hypothetical wellbore us-
ing a hypothetical drill bit similar or identical to
the drill bit and determining a function that pro-
vides weight on bit (WOB) of the simulated drill-
ing from the DOC of the hypothetical drill bit and
the torque exerted on the hypothetical drill bit;
and

determining WOB using the function and the de-
termined DOC and the torque.

The method of claim 11, further comprising:

drilling the wellbore into the geological formation
using the drill bit and the drilling motor; and
measuring the parameters while drilling the well-
bore.

The method of claim 12, wherein:

drilling the wellbore also uses a drilling rig,

the parameters are measured at the drilling rig,
and

the DOC of the drill bit and torque exerted ther-
eon are determined also using performance da-
ta of the drilling motor.

The method of claim 12 or 13, wherein:
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the drilling of the hypothetical wellbore is simu-
lated before drilling the wellbore, and

the WOB is determined while drilling the well-
bore.

15. The method of any one of claims 11 to 14, further
comprising planning a centralizer program of a
downhole tubular using the determined WOB.
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